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1. [bookmark: _Toc500517283]Executive Summary 
Assembly Bill 327 (Perea 2013) established Section 769 of the California Public Utilities Code, which requires the Investor Owned Utilities (IOUs) to prepare Distribution Resource Plans (DRPs) that identify optimal locations for the deployment of distributed energy resources. In August 2014, the Commission began implementation of this requirement through Rulemaking (R.) 14-08-013, the DRP proceeding. A Ruling from the Assigned Commissioner in February 2015 introduced the concept of a unified locational net benefits methodology consistent across all three IOUs that is based on the Commission approved E3 Cost-effectiveness Calculator, but enhanced to explicitly include location-specific values and to include certain additional avoided cost components. The IOUs submitted the results of their Demonstration B (Demo A) projects in December 2016. The ICA Working Group reviewed the Demo B results and submitted the LNBA Working Group Final Report on May 8, 2017. A June 7 ACR provided scope and schedule to the continued long-term refinement activities for ICA and LNBA. A September 26 Final Decision on Track 1 DRP provided further direction on affirming a third use case of LNBA to serve a cost-effectiveness use and update the DERAC tool, and set a separate process within the Energy Division to consider methodology options to meet the third use case. 
 This document serves as the Final LNBA Working Group on Long Term Refinements (LTR) Report to the California Public Utilities Commission (CPUC). The Working Group is comprised of the California IOUs and interested stakeholders. A complete list of participating Parties may be found in the Appendix. This report summarizes recommendations on long-term refinement issues identified by the June 7 ACR to continue refining and improving ICA methodology. Some of the long-term refinement issues pertain to the discussion of the third use case and applicable methodology. Given the timing of the Sept. 26 Final Decision, this report will identify where some long-term refinement recommendations are deferred to this separate methodology process. 
2. [bookmark: _Toc500517284]Introduction and Background 

2.1 [bookmark: _Toc500517285]Overview and Procedural Background

Assembly Bill 327 (Perea, 2013) established Section 769 of the California Public Utilities Code, which requires the California Investor Owned Utilities (IOUs) to prepare Distribution Resource Plans (DRPs) that identify optimal locations for the deployment of distributed energy resources (DERs).  In August 2014, the California Public Utilities Commission (CPUC, or Commission) began implementation of this requirement through Rulemaking (R.) 14-08-013, the Distribution Resources Plan (DRP) proceeding. A Ruling from the Assigned Commissioner in February 2015 introduced the concept of a unified locational net benefits methodology consistent across all three IOUs that is based on the Commission approved E3 Cost-effectiveness Calculator, but enhanced to explicitly include location-specific values and to include certain additional avoided cost components. A Ruling from the Assigned Commissioner issued on May 2, 2016 (May 2 ACR) adopted Locational Net Benefits Analysis (LNBA) methodology for use in DRP’s Demonstration Project “B” (Demo B), and authorized the Utilities to pursue Demonstration Project B to perform LNBA methodology for one Distribution Planning Area (DPA) in each Utility’s service area  
Pursuant to Commission direction, the IOUs filed their DRPs as Applications, including a proposal to complete a Demonstration of their LNBA methodology (“Demo B”). Stakeholders provided input on the IOU proposals, leading to an Assigned Commissioner’s Ruling (ACR) issued in May 2016. That guidance authorized IOUs’ to complete Demo B. The ACR also established the LNBA Working Group (WG) to monitor and provide consultation to the IOUs on the execution of Demonstration Project A and further refinements to the LNBA methodology. CPUC Energy Division staff has oversight responsibility of the WG, but it is currently managed by the utilities and interested stakeholders on an interim basis. The utilities jointly engaged More Than Smart (MTS), a 501(c)3 non-profit organization, to facilitate the WG. The Energy Division may at its discretion assume direct management of the working group or appoint a WG manager.
In December 2016, Pacific Gas & Electric (PG&E), Southern California Edison (SCE), and San Diego Gas and Electric (SDG&E) submitted their final Demo B reports. These reports summarize Demo results, lessons learned, and the IOUs’ recommendations on the methodology selection and feasibility of implementation of the LNBA across the entire distribution system. The LNBA WG reviewed Demo B results and submitted its LNBA Working Group Final Report in March 2017. 
A June 7 ACR provided scope and schedule to the continued long-term refinement activities for ICA and LNBA. The ICA Working Group has convened since July to discuss the identified long-term refinement topics from the ACR. The WG has met six times to discuss 13 topics. A September 26 Final Decision on Track 1 DRP provided further direction on affirming a third use case of LNBA to efficiently incorporate DER integration costs and develop location-specific T&D avoided cost values for input into DERAC, and set a separate process within the Energy Division to consider methodology options to meet the third use case. 
2.2 [bookmark: _Toc500517286]Scope and Process
 
The “Working Group” references all active parties participating in LNBA WG meetings, which include the IOUs, government representatives, DER developers, nonprofits, and independent advocates and consultants. All meeting dates and topics covered, as well as all stakeholder groups attending at least one meeting or webinar of the LNBA WG, are described in Appendix A. This report is the product of significant written edits and contributions from the following organizations:
XX	Comment by Laura Wang: To-date, our list of active contributors is:
CAISO (transmission subgroup) 
CALSEIA
Clean Coalition
ORA
PGE
SCE
SDG&E
SEIA 
STEM
Tesla 
TURN
Please let me know if I have forgotten anyone. Thanks!
For each topic discussed, WG participants were asked to present their proposal to the full WG and develop a written proposal following. All stakeholders were invited to provide edits and comments to the developed proposals, or submit their own written proposal if opinions differed. Certain topics were revisited when additional discussion provided clarity or built consensus, or additional analysis was conducted to support or refine an initial proposal. 
3. [bookmark: _Toc500517287]Recommendations Summary Table

The following table identifies the issues discussed, ACR group (the ACR identified priority topics for discussion by the WG), which parties submitted written proposals and comments, and whether the topic has developed WG consensus or remains a non-consensus topic. 
	Topic
	ACR
	Proposals
	Comments
	Consensus 	Comment by Laura Wang: If written comments were not submitted, the item has been marked as consensus and the recommendation from the written proposal was taken
	Additional discussion needed

	Avoided energy
	Group I
	Joint IOUs
	
	Consensus
	

	Avoided capacity
	Group I
	Joint IOUs
	SEIA
	Non-consensus
	

	Avoided line losses
	Group I
	Joint IOUs
	Clean Coalition
	Consensus
	

	Smart inverters: input hourly VAR profiles
	Group I 
	Joint IOUs
	
	Consensus
	

	Automatic Input of DER Profiles
	Group I
	Joint IOUs
	
	Consensus
	

	Avoided transmission value
	Group I
	PG&E, SCE, SDG&E
TURN
SEIA
Clean Coalition
	CAISO

	Deferred to ED Process
	Yes

	Uncertainty metric
	Group II
	Joint IOUs
	
	Consensus
	

	Use of single or multiple growth forecasts
	Group II
	Joint IOUs
	
	Consensus
	

	Conservation voltage reduction (CVR)
	Group III
	SEIA and Tesla
	TURN
Joint IOUs
	Non-consensus
	

	Situational awareness
	Group III
	Joint IOUs;
SEIA and Tesla
	Joint IOUs
SEIA and Tesla
	Non-consensus
	

	Asset life extension or reduction
	Group III
	Joint IOUs
	
	Consensus
	

	Non-capacity related reliability
	Group III
	SEIA;
Joint IOUs
	Joint IOUs
SEIA
	Non-consensus
	

	Valuing unplanned grid needs, value beyond 10 years
	Group III
	None (Discussion based)
	CALSEIA
	Non-consensus; deferred to ED Process
	Yes



4. [bookmark: _Toc500517288]Group I topics
The following topics were identified as Group 1 priority topics for WG discussion: 1) locational avoided energy value; 2) locational avoided capacity value; 3) locational avoided line losses value; 4) incorporation of reactive power priority (VAR profiles); 4) automatic input of DER profiles; and 5) locational avoided transmission value 
4.1 [bookmark: _Toc500517289]Incorporate additional locational granularity into energy, capacity, and line losses system-level avoided cost values 

4.1.1 [bookmark: _Toc500517290]Energy
The current avoided energy price forecast in the LNBA tool is taken from the 2016 DERAC calculator. The WG agrees that a more locational avoided energy price forecast should be used. This locational value should reflect the default load aggregation point (DLAP) price, as this represents the price IOUs pay to serve load. The IOUs engaged E3 in further analysis to develop two options on how to develop DLAP forecasts. These options were presented to the WG at the November meeting.  
The first option uses a similar approach to the methodology used in DERAC. This proxy methodology would utilize recent historical or forecasted hourly DLAP energy prices modified by heat rate factors to obtain hourly energy prices forecasts. The heat rate factors would be obtained from the CPUC’s Integrated Resource Plan (IRP) RESOLVE model. By utilizing the IRP RESOLVE model, the heat rate factors would incorporate the future impacts of California policy (e.g., SB350 and Governor’s 2030 Greenhouse Gas Reduction goal). The proxy method would improve the current DERAC methodology (1) by providing more locational granularity (because it utilizes hourly DLAP energy prices) and (2) by utilizing updated heat rate factors that are consistent with the IRP. In addition, this proxy methodology could be implemented in a relatively short time. However, additional analysis of the results from the proxy methodology would be necessary to ensure the validity of the price forecast. For example, the Resolve model only uses 37 representative daytypes to simplify the modeling. These 37 daytypes would need to be matched to all hours of the year to develop the heat rate factors. When transitioning from one daytype to another, there is the potential for the price forecast to change suddenly due to the difference in daytypes.

The second option would be to utilize a full annual, hourly production cost model to develop price forecasts. A production cost model simulates the grid by minimizing the cost of operating the grid subjected to constraints such as serving load, individual generator operational constraints, and transmission limits. Thus, a production cost model would be able to provide a more detailed and precise view of future prices, especially by location if locational price differences change over time in response to load, resource, or transmission changes. The IRP proceeding currently is planning to develop a SERVM model, a hybrid resource adequacy and production cost software, to further assess the impacts of scenarios on the grid and would also incorporate future effects of California policy which could potentially be leveraged to provide an energy forecast. While SERVM can provide an energy forecast, the software is more focused on resource adequacy. Because of SERVM’s focus on resource adequacy, it may be necessary to translate the SERVM model to a more dispatch based production cost model (e.g., PLEXOS, AURORA, or Gridview) which could provide a robust energy forecast. The IRP’s SERVM model is not expected to be finished until the middle of 2018. Additional vetting or analysis may need to occur to validate the results from any production cost model.

The IOUs recommend using the first, proxy methodology as an interim solution to provide locational DLAP price forecasts. Once an IRP production cost model is ready and has been validated, the IOUs recommend that the interim methodology results be replaced with the production cost model results, assuming that the production cost model price forecast would be more accurate. Finally, the IOUs recommend that the development of the prices using the proposed phased approach should be done in annual update to the DERAC as part of the IDER proceeding. This would allow stakeholders to review the results of the methodology, leverage the existing process to update the DERAC, and fulfill the DRP Track 1 decision to inform the DERAC of improvements from the LNBA cost effectiveness use case. Once adopted in an updated DERAC, the LNBA tool would be updated to reflect the changes for the LNBA deferral use case. 	Comment by Laura Wang: No WG comments were filed – is there WG consensus here? 
4.1.2 [bookmark: _Toc500517291]Capacity
 
The WG explored available data to add locational variation to the generation capacity value. Currently, the only public source of generation capacity price information is the annual CPUC Resource Adequacy (RA) report[footnoteRef:1], which provides aggregated RA contract price information, at both the system-level and the local RA level. Although this report represents best available information, it is based on voluntary responses to a CPUC data request and does not necessarily capture the entirety of RA contracts and transactions. [1:  The latest RA report can be found here: http://www.cpuc.ca.gov/WorkArea/DownloadAsset.aspx?id=6442453942] 

Local RA best represents a locational RA product, as both the requirements (based on August peak load in the LCR area) and the product are specific to a location in the system. This capacity product can come from an LSE’s generation portfolio and/or through contracts with generators to procure the RA-qualifying MW attributes of the generator. RA prices represent the short-run generation capacity avoided cost, since in the near-term, DERs increase or decrease an LSE’s RA procurement. 
The WG discussed that locational information applies to short-run generation capacity costs (i.e., RA prices in the CPUC RA report), but not to the long-run generation capacity avoided cost (expressed as the cost of new entry, or CONE). CONE estimates how much generation capacity would cost from a new generator by estimating the levelized annual cost of building a new generator, minus the levelized annual energy and ancillary service revenue the plant would be expected to generate. In any year, CONE represents the maximum generation capacity avoided cost. CONE cost components could be evaluated locationally to calculate location-specific variants of CONE. CONE may also be adjusted for losses from utility-scale generation capacity. 
The WG is in non-consensus with regards to a methodology to calculate location-specific avoided capacity. The Joint IOUs and SEIA have each submitted a proposed methodology.
The Joint IOUs propose to develop locational generation capacity avoided cost values at the CPUC Local RA areas, based on CAISO’s Local Capacity Requirement Area (LCR Area) level. Areas outside of a Local RA area would receive system-level generation capacity avoided cost. IOUs will use the recent, joint-IOU system-level generation capacity price forecast that was provided as a benchmark in the RPS proceeding. Locational generation capacity avoided cost values will be determined using local RA multipliers developed from the most recent data in the CPUC RA Report and applied to a system-level forecast that includes both short-run and long-run capacity value. In each year, all generation capacity prices are capped at CONE. In the year that system-level generation capacity price forecast reaches CONE, all other areas are also set at CONE. The full methodology for developing locational factors can be found in the written proposal in Appendix B.  
It is important to note that Decision 16-06-007 in the IDER Proceeding required the use of capacity-benefits based on the long-run avoided capacity cost when doing cost-effectiveness analyses of demand-side management programs. It also prohibits the concept of resource balance year (RBY) in the Commission’s DER avoided cost model. If the above proposal is incorporated into the LNBA methodology and given the Commission direction to use LNBA for evaluation of DER cost-effectiveness within the third use case, the Commission would also have to modify D.16-06-007 and potentially require additional stakeholder review in the IDER proceeding.
SEIA notes that the IOU proposal uses location-specific short-run RA values, but a system-wide resource balance year. SEIA agrees with the D. 16-06-007 conclusion to eliminate RBY because distributed energy resources are displacing new capacity rather than short-term capacity, and because the RBY concept fails to recognize the full value of small-increment, short-lead-time, high priority resources such as DERs. Instead, SEIA proposes to develop locational generation capacity avoided cost values based on the loss-adjusted Cost of New Entry (CONE) in each IOU service territory.   Loss adjustments should be based on peak period line losses in each service territory from generation level to load level. These IOU-specific CONE values would reflect locational differences due to (1) differences in peak period losses in each IOU service territory and (2) different CONE calculations given variations in CONE between service territories due to different siting costs, energy costs, environmental costs, or the base cost of the marginal source of capacity. SEIA states that this would be consistent with D. 16-06-007 which established the CONE as the avoided generation capacity cost for DERs, without the use of a Resource Balance Year (RBY) to transition from short-run to long-run avoided capacity costs that accurately value distributed energy resources. 
In determining next steps, it would be helpful for the Commission to further explore:
· For each proposal, does the proposed method reasonably reflect locational differentiation of avoided capacity cost? Does it accurately reflect DERs’ ability to avoid costs? Is implementation feasible? 
· Is each proposal consistent with prior Commission directive, including D.16-06-007 in the IDER proceeding?

4.1.3 [bookmark: _Toc500517292]Line Losses

Within Demo B, the LNBA tool calculates IOU system-wide average loss factors for distribution and transmission. The loss factors were used to estimate the additional avoided energy costs, avoided generation costs, and avoided capacity needs at peak realized by a DER in reducing line losses. The LNBA WG expressed that using a system-average loss value did not account for DERs’ ability to produce location-specific line loss reduction, and recommended exploring the issue in greater to detail to determine whether the additional granularity may be worth pursuing.
Over the long-term refinement period, the IOUs conducted additional line loss studies to increase understanding of how DER location may vary line losses across distribution feeders and the impact on secondary system losses. The purpose of these studies was to determine how loss factors may be included in the LNBA and whether a more granular, location-specific methodology is feasible.
The IOUs each conducted further study using the following steps:
1. Select a sample size of distribution feeders to evaluate in preliminary study
1. Define circuit types to reflect differing characteristics
1. i.e. Rural large service area, urban small service territory, and suburban medium size territory
1. Uniform loading, spot load, express run circuit 
1. High % loaded circuit, medium %. Low % 
1. Evaluate base circuit model for maximum, minimum, and median loading levels to see the baseline %/kW losses on each circuit 
1. Model generation on baseline conditions created in #2
1. Record the kW losses from baseline condition determined from #2
1. Calculate maximum losses % change and min loss %
1. Use line loss study results to estimate sensitivity on LNBA results
1. Perform similar study for secondary network scaling generation and load

Some of the results of those studies are shared in the IOUs’ full written proposals, found in Appendix B. 
SCE’s study was based on 15 representative circuits, with a 1 MW generator modeled at each 10% impedance of the circuit from the substation. Observations were based on 4 kV lines versus 12/16 kV lines. SDG&E’s study used similar parameters. PG&E additionally modeled the three phase system, to better incorporate the relatively diverse nature of PG&E’s urban and rural regions into the study.  
The joint IOUs presented the following overall conclusions from the additional study:
· For 4 kV distribution lines, the amount of line losses was not significantly reduced when simulating a 1 MW generator at various locations.
· Adding 1 MW generator on 4kV circuit typically resulted in reverse power flow and increased line losses.
· When DER generators cause reverse power flow through the distribution service transformer or the substation transformer, the total distribution line loss benefit decreases, can reach zero, or negatively impact losses if DER generation exceeds the loading on the circuit it’s interconnected. 
· Rural feeders tend to be longer and higher impedance, and have more locations with high peak losses as well as overall variance in line losses to feed each line section. 
· Back-feeding does cause losses to increase in certain locations on the primary distribution 
feeder.
· Urban feeders are typically stout, low impedance, short length, and have low losses so they are not highly location sensitive. 
· Losses on the secondary network are mainly derived from net transformer loading and will be minimal when generation is coincident and sized to match load (i.e. load is fed from generation locally).

The LNBA WG recommends that, for the deferral framework and heat map use case, the LNBA tool should incorporate more locational differentiation of losses within the LNBA tool. For the cost-effectiveness/DERAC use case, the WG does acknowledge that there is variability not currently captured in DERAC, but for now the methodology should stay the same, and later incorporate additional public loss factors corresponding to additional granularity, as the DERAC becomes more granular. 	Comment by Laura Wang: No comments received so taken as consensus
For the deferral framework use case, it is apparent that variation in line losses can be significant, particularly for more “outlier” locations. Thus, a project-specific loss factor for distribution deferral will be calculated. The means of evaluation will depend on the number of deferral opportunities and associated number of circuits that pass through the to-be-defined deferral screens in Track 3 of the DRP Proceeding (for example, detailed modeling may be feasible for This change will be implemented in the 2018 heat map and public tool.

4.2 [bookmark: _Toc500517293]Location-specific grid services for smart inverters – incorporating reactive power support (VAR profiles)

The LNBA WG grouped multiple ACR topics into the overarching “smart inverter” umbrella: 1) Methods for valuing location-specific grid services provided by advanced smart inverter capabilities and 2) improve heat map and spreadsheet tool by allowing hourly VAR profiles to be input in order to capture DERs’ ability to inject or absorb reactive power. It was agreed that developing a methodology to consider VAR profiles was of higher priority. Additional smart inverter capabilities, namely, conservation voltage reduction, are discussed further in the report as a Group III topic. 
4.2.1 [bookmark: _Toc500517294]VAR profiles (reactive power support)

Voltage support is generally provided using capacitors or voltage regulators to maintain voltage within Rule 2 requirements. To defer a voltage investment using DER, the DER must either manage real power (e.g., using energy efficiency to help boost voltage) or use smart inverters to provide both real and reactive power support. DER reactive power (VAR) capabilities are provided by smart inverters. 
The IOUs need to develop a methodology for calculating the hourly VAR requirement profile. This is dependent on both the IOUs’ development of necessary tools and the Rule 21 requirements currently being considered. Rule 21 rules will develop reactive power requirements and power factor limits, which are required for the development of VAR profiles, and are expected to be finalized soon. The IOUs are additionally leveraging their work in ICA to develop the necessary tools to calculate hourly VAR requirement profiles.
The LNBA WG also agreed that the LNBA tool should be modified to accept a DER VAR profile and a VAR Requirements profile. The IOUs will add an hourly VAR profile and current hourly active power (kW) under the User Input f or DER Hourly Shape tab. The IOUs will also modify the tool to accept a VAR requirements profile, and validate that the DER Var profile input meets or exceeds this requirements profile. 
4.3 [bookmark: _Toc500517295]Automatically populate DER generation profiles
The WG agreed that sample DER hourly profiles should be included within the LNBA tool within a DER Profile Library. These profiles would be illustrative only. The tool should also allow profiles to be automatically populated. 
The WG agreed that profiles should use public sources of information, be normalized to 1 kW, and be scalable by user input of size. Additional profiles can be added to the DER Profile Library to include emerging technologies or meet additional DER use cases. The WG agrees that additional DER profiles should be based on public sources, vetted, and readily available. 
The WG agrees to include the following profiles immediately:
· Solar PV: The WG agrees that the National Renewable Energy Laboratory’s (NREL) PVWatts Calculator [footnoteRef:2]  is an appropriate source of solar PV profiles. This calculator allows users to input a location, select appropriate weather data, and provide PV system properties (e.g., size, tile, DC/AC ratio). For the automatically generated profile within the LNBA tool, the WG agrees to default the following inputs: LOCATION, WEATHER, PV SYSTEM PROPERTIES to represent a typical solar installation. 	Comment by Laura Wang: WG input on appropriate default inputs needed [2:  NREL’s PVWatts Calculator can be found at: http://pvwatts.nrel.gov/] 

· Energy efficiency: The WG agrees that Energy and Environmental Economics’ (E3) 2013-2014 Energy Efficiency Calculator [footnoteRef:3] is an appropriate source for energy efficiency profiles. These hourly profiles represent the latest hourly profiles from the Database for Energy Efficient resources (DEER) [footnoteRef:4], a CPUC database containing information on energy efficient technologies and measures relevant to California. The WG (agrees to include the following EE measures or technologies within the DER Profile Library). 	Comment by Laura Wang: WG input on appropriate EE profiles needed. Written proposal states, “Joint IOUs will select some EE measures and present that selection to the WG.”  [3:  E3’s 2013-2014 Energy Efficiency Calculator can be found at: https://www.ethree.com/public_proceedings/energy-efficiency-calculator/]  [4:  DEER information can be found at: http://deeresources.com/] 



4.4 [bookmark: _Toc500517296]Enabling modeling of a portfolio of DER projects at numerous nodes to respond to a single grid need/method for evaluating the effect on avoided cost of DERs working “in concert” in the same electrical footprint of a substation

The WG agreed that the LNBA tool should be refined to support benefit analysis of a portfolio of projects at numerous nodes. The WG agrees that the following proposed modifications to the LNBA tool will provide for this analysis:
· To input DER portfolios, IOUs will modify the “User Input DER Profile” section on the DER Dashboard tab by addition multiple columns to allow additional user input of DER profiles and locations. This allows the tool to consider multiple DERs of different types and locations in aggregate. 
· For each new column, the IOUs will create user dropdowns to allow users to select a predefined 8760 hourly profile from a DER profile library to populate the column, so that using the tool will not require manual input. The profile will be normalized to 1 kW (see above discussion on “automatically populate DER generation profiles”). 
· Each column will include a cell to scale the DER profile up or down.
· The columns will aggregate into the DER profile column on the DER Dashboard tab to analyze the overall financial impact of the portfolio.  
A flow factor matrix is used to evaluate the relation between separate DER projects. These modifications should be included in the first implementation of the LNBA tool. 
4.5 [bookmark: _Toc500517297]Form technical subgroup in long-term refinements to develop methodologies for non-zero location-specific transmission costs
4.5.1 [bookmark: _Toc500517298]Overview

A technical subgroup of the LNBA WG held 8 calls and 1 in-person meeting to discuss the potential avoided transmission value within a deferral use case and the potential avoided transmission value within a cost-effectiveness use case that extends through the entire life of the DER asset. It was determined that the primary purpose and near-term objective of the subgroup should be to identify a value for the DERAC tool. Simultaneously, the Track 1 Decision on ICA and LNBA (Sept. 8 Decision 17-09-026) asks the IOUs to serve proposals for modeling and/or methodological approaches to achieve the third use case (use of LNBA in cost-effectiveness evaluation and in the DERAC tool). These proposals were due December 6, 60 days after the Decision. 
The Decision orders the IOUs to file methodologies for developing DPA-level avoided T&D values for input into DERAC that match the lifespan of DERs (30 years), capture uncertainty in deferrable projects (both within and outside the planning horizon), and reflect a planning scenario using a no-DER forecast. To avoid parallel discussions between the Long Term Refinement Report and comments on the IOUs’ methodology filings, which will follow a separate, Energy Division-led process, the WG acknowledges that discussion on an avoided transmission value for DERAC should take place in the Energy Division-led process, envisioned to start no earlier than January 2018. 
In addition, discussions on the deferral use case are identified as useful, but addressed in parallel through other discussion forums, including CAISO-led discussions on the transmission access charge (TAC) and understanding the outcomes of PG&E’s Oakland Clean Energy Initiative project in Oakland. In addition, there are many variables with regards to understanding how DERs may defer transmission projects (including, but not limited to, reliability standards, operational standards, cost recovery, and jurisdictional issues) that are out of scope for the LNBA. To that end, the WG identifies discussion items and issues for consideration to date, but defers comment and further deliberation on methodology to the separate Energy Division process overseeing the evaluation of the cost-effectiveness use case. The WG agrees that the avoided transmission value for the deferral use case may be revisited at a later date. 
The discussion to-date of both the deferral use case and the cost-effectiveness use case are included here. 
4.5.2 [bookmark: _Toc500517299]Avoided cost value of deferring planned projects

With regards to the deferral use case, the subgroup developed a better understanding of the California ISO transmission planning process, and discussed how the CAISO currently identifies alternative mitigation opportunities and considers preferred resources.
The ISO annual transmission planning process utilizes the California Energy Commission (CEC) energy and demand forecast produced as a part of the Integrated Energy Resource Plan (IEPR) in the planning process.  The CEC energy and demand managed forecast includes DER such as self-generation and Additional Achievable Energy Efficiency (AAEE).  In the transmission planning process, the ISO uses the CEC mid-demand forecast with the mid-low level AAEE in local area planning and mid-mid level AAEE for system planning as its base scenario analysis.  This analysis is used to determine reliability needs on the transmission system and mitigation plans to address any identified reliability constraints on the system per the applicable reliability standards.  As a part of the ISO transmission planning process, the mitigation that is considered to address the identified reliability constraint includes assessment of transmission alternatives as well as non-transmission alternatives that include preferred resources and DER beyond the levels already included in the CEC IEPR energy and demand forecast.  The ISO transmission planning process is an open and transparent process per the ISO Federal Energy Regulatory Commission (FERC) tariff.  Within the process, the ISO conducts the reliability analysis and posts the results of the reliability analysis on August 15 each year at which point parties can submit alternatives to mitigate identified reliability constraints in the ISO Request Window.  The Request Window is open from August 15 to October 15.  In addition, the ISO holds a stakeholder meeting in later part of September to present the reliability assessment results to stakeholders along with potential mitigation alternatives presented by either the ISO or the participating transmission owner (PTO).  The ISO develops recommended mitigation plans in the ISO annual Transmission Plan.  The ISO posts the draft annual Transmission Plan for stakeholder comment at the end of January and presents the final Transmission Plan for ISO Board of Governor approval in March.  If the mitigation plans include transmission alternatives as the recommended alternative, the ISO Board of Governors must approve these projects as required by the ISO tariff.  However, if preferred resources are identified as the recommended mitigation plan, the ISO Board of Governors does not approve the preferred resources, but rather depends on the California Public Utilities Commission (CPUC) or other relevant local regulatory authority to procure the preferred resources.  The ISO Board of Governors only approves transmission projects, not alternative mitigation procurement.   In the Transmission Plan, the ISO recommends that the PTO serving the territory in which the reliability constraint occurs pursues the preferred resources through the appropriate state procurement processes.
The subgroup discussed and agreed that existing and ongoing conversations on consideration of preferred resources and alternative mitigation, through CAISO processes and ongoing utility procurement (notably, through PG&E’s Oakland Clean Energy Initiative), that consideration of avoided transmission value on a deferral basis should continue to be studied and may be revisited for inclusion into the LNBA at a later date. 
The IOUs have additionally presented two proposals to develop a locational transmission deferral value for consideration, based on the current means of calculating marginal transmission capacity costs in CPUC proceedings. 	Comment by Laura Wang: IOUs – please summarize presentations here 
Non-IOU subgroup members also presented viewpoints for consideration. These are summarized in the report and can be found in full in Appendix B. 
The Utility Reform Network (TURN) has identified process recommendations and outlined an avoided cots methodology for identified planned projects. TURN believes additional fact-finding is necessary before any meaningful value is incorporated into the DERAC tool and a Commission decision is made. Thus, TURN first recommends that the CPUC coordinate with CAISO to develop a process that would allow for the use of relevant CAISO data from the transmission planning process to address gaps in data. In addition to this fact-finding process, TURN recommends that the CPUC coordinate explicitly with the CAISO to ensure that any avoided cost value in the DERAC reflects a reality in which the CAISO actually defers transmission projects through procurement of DERs, better forecasting, and other mechanisms.
TURN’s avoided cost methodology to address deferring planned projects is based on the following four guiding principles: 1) all values must correspond to revenue requirement reductions for the IOUs and CAISO. Otherwise, ratepayers may pay twice for the same project; 2) Forecast impacts from DERs that are intended to reduce transmission investments must flow through appropriate CPUC or CEC forecasts to impact CAISO TPP; Values must be determined in an analytical fashion and be based in known fact; and 4) Estimated avoided cost values should be for evaluation purposes only; actual payments to DERs should be based on competitive solicitations so that ratepayers have the opportunity to save money in comparison with business-as-usual.
The deferral value for planned projects should use the CAISO TPP as a starting point for identified planned projects, and be updated annually. The deferral value should be based on:
1. Deferral values for DERs related to transmission projects planned due to load growth should be based on an understanding of the peak hourly demand of the project combined with expected peak hourly reduction from a given DER. For example, a resource that does not contribute to reducing peak load would not be awarded value for a particular project. 
1. Only projects identified by CAISO as potentially deferrable by DERs (generically any “non-wires” or “preferred resource” alternative) should be included in the avoided cost value. Projects should be removed if CAISO determines through the TPP that a non-wires alternative is not feasible. This includes the following two categories of projects:
1. Transmission projects identified by the CAISO as potentially having a non-wires alternative;
1. Transmission projects for which alternative proposals to deploy DERs are received by CAISO from an outside entity (PTO, DER provider, etc.). 
1. Deferral values should be locational in nature wherever possible, applying to an entire DLAP, sub-lap, or other area of granularity where a project is proposed to be built. In the future, the Commission should base locational values on load-flow models to determine where DERs have the most impact on reducing peak load for a given constraint. Existing load-flow exercises conducted in the TPP or for local capacity determinations may be leveraged to this end. 
1. A price cap on Local Reliability Areas marginal transmission costs could be set equal to the costs of generation alternatives, such as market prices for local Resource Adequacy capacity in each area or the CAISO’s Capacity Procurement Mechanism price.  A computation of the deferral value of new generation investment could also be applied as a price cap to ensure reasonable deferral value results.
1. Computation of deferral values of avoided transmission investments should be computed using the “NERA Method” which the utilities now use to compute marginal transmission and distribution costs for rate design purposes
4.5.3 [bookmark: _Toc500517300]Avoided Transmission Value for DERAC Calculator 

With regards to the cost-effectiveness use case, the joint IOUs submitted methodology proposals to the CPUC ED on December 5. Their proposals on an avoided transmission value are summarized below, and can be found in full in their individual filings.	Comment by Laura Wang: IOUs – can you provide links and summarize here? 
PG&E states it is currently premature to make a specific proposal regarding development of a geographically differentiated transmission capacity avoided cost at this time, but is open to working with CAISO and other stakeholders to determine whether a geographically differentiated transmission capacity avoided cost is supported by data and consistent with CAISO and FERC guidance and rules. At this time, PG&E’s preference is to look to the CAISO market data to determine if there is an observable differential locational value for the provision of transmission services and how that differential value is currently monetized before attempting to develop a shadow price proxy. If a locational transmission avoided cost is supported by the analysis, then development of “transmission factor (T-factor)” criteria (parallel to the D-factor method proposed for distribution avoided cost) that would be required for a DER program to show that is has the right place, right time, right availability and right certainty to capture the location specific transmission avoided cost under prevailing CAISO and FERC guidance and rules. 
SCE - 
SDG&E – 
In addition to the IOUs’ filed proposals, the subgroup discussed whether it was feasible for CAISO to similarly use a no-DER growth forecast. CAISO has additionally submitted the following comments for consideration regarding the cost-effectiveness use case:
As agreed between the ISO, CEC and CPUC, the transmission and resource planning use the CEC’s IEPR managed forecast for energy and demand as the base scenario for all planning processes.  Using the CEC IEPR forecast, the ISO annual transmission planning process assesses the reliability needs and develops mitigation plans with the forecast DER that are incorporated into the base scenario.  The ISO does not conduct counterfactual analysis to assess the reliability needs or mitigation plans without the DER included in the CEC IEPR energy and demand forecast.  This analysis would be overly burdensome and would require the ISO to develop mitigation plans to meet the requirements of the applicable reliability standards under the counterfactual scenario.  The ISO does conduct sensitivity analyses that are incorporated into the annual study plan.  The annual process allows for stakeholder comments in February of each annual planning process cycle.  These sensitivities have included assessments of the reliability constraints that would occur if the AAEE in the managed forecast does not materialize; however mitigation plans are not developed for these conditions as they provide information only on potential reliability needs if the planned AAEE identified in the CEC IEPR forecast does not materialize as forecast.  This information can be used to identify potential areas of targeting for AAEE or applicable other DER programs to ensure that the forecast load modifiers in the CEC IEPR energy and demand forecast are developed as planned.  The ISO analysis does not provide valuation of mitigation for these as the ISO does not develop mitigation plans for these sensitivity assessments as the AAEE is assumed to be a part of the managed forecast as agreed to between the CEC, CPUC and ISO.
Some members of the subgroup have developed the following written proposals for consideration; they are included in full in the Appendix and summarized below:
The Solar Energy Industry Association (SEIA) proposed to develop the counterfactual, long-run transmission costs avoided by DERs by first calculating a long-term system avoided cost value that can be used over the full 25-year lifetime of DER, then developing a means to increase locational granularity. With regards to the system-level value, this should reflect long-run avoided bulk transmission costs for each of the IOU service territories. This should be the system value for use in the DERAC calculator and also be the Commission’s priority. SEIA recommends that this calculation use the National Economic Research Associates’ (NERA) regression methodology that the utilities often employ to calculate marginal sub-transmission and distribution costs.  Additional input, such as including more data from the IOUs, will allow for further methodology refinement. Alternatively, the avoided transmission cost could be divided into two components: 1) the marginal cost per kW of peak demand for all transmission investments related to load growth, reliability, or economics and (2) the marginal cost per kWh of transmission built to access RPS resources.  The first component would use the    NERA regression method discussed above, but limited to transmission investments related to load growth, reliability, or economics as a function of planned peak capacity.  The second component would be a separate calculation of the marginal cost of RPS-related transmission, with kilowatt-hours as the driver because the RPS goal is based on kWh sales.  In this calculation, renewable generation from DERs would be assumed to displace RPS generation on a kWh-for-kWh basis, because both contribute equally to meeting the state’s long-term carbon reduction goals.   DERs that simply reduce loads (such as energy efficiency measures) would be assumed to avoid marginal RPS transmission costs by the kWh saved times the applicable RPS percentage-of-sales requirement.
 To develop more granular, locational avoided costs, SEIA recommends that all stakeholders continue to work to refine the CAISO’s transmission planning process to support consideration of DERs as a non-wires alternative for specific local areas (for example, the transmission investments developed to resolve capacity deficits in the Western LA Basin from SONGS retirement identified a cost benchmark for alternative resources). 
SEIA also takes the position that all transmission costs should assume to be deferrable by DERs, and presents rationale why DERs can defer all four primary drivers of transmission investments (to serve peak loads, reliability, economic, and policy-driven investments). Further, given the networked nature of the transmission system, projects built principally to meet one need can provide secondary benefits, necessitating that all transmission investments need to be included when calculating marginal transmission costs.   
Clean Coalition agrees with the SEIA proposal in that it agrees that a system-wide marginal cost of transmission should serve as a starting point, building upon CAISO data to improve locational value. As a starting point, Clean Coalition proposes using the per-MWh valuation of transmission revenue requirement (TRR) reduction achieved by DER, consistent with the CAISO transmission access charge. Clean Coalition’s Transmission Impact Analysis Model that calculates this value, reflecting the impact profile of each DER category on both total load and peak load. Clean Coalition also supports locational variation factors to be applied to the default marginal cost value based on forecast regional transmissions needs if DER growth did not occur.  
Clean Coalition additionally echoes SEIA in that DERs can reduce the need for transmission investments for peak capacity, reliability, economic, and policy purposes. 
5. [bookmark: _Toc500517301]Group II topics
5.1 [bookmark: _Toc500517302]Incorporating an uncertainty metric

The LNBA WG had previously identified the incorporation of an uncertainty metric as a non-consensus topic. The WG has considered the “uncertainty metric” with regards to load forecasting, to provide an indication of the likelihood that the forecasted need is likely to occur. For example, a project based on a forecasted need five years out is less certain that a projected based on a forecast two years out. The LNBA tool does not currently incorporate forecast uncertainty. The WG discussed the development of the uncertainty metric within the LNBA use cases, including both how the value can be included in the LNBA tool as well as how it may be represented on the LNBA heat map.
With regards to the deferral framework use case, the WG is in consensus that the uncertainty/certainty metric should be used as one of the prioritization variables within the Distribution Investment Deferral Framework (DIDF) to select deferrable projects to move to RFO for DER procurement and solicitation, to screen out non-desirable candidates for deferral. 
The WG agrees that the uncertainty/certainty metric will not be used to screen out projects that would otherwise be included in the LNBA – this screening has been identified through the IDER Decision on competitive solicitation, whereby projects that pass technical screens to identify grid services and the timing screen are included as projects within the LNBA tool. 
The WG agrees that the uncertainty/certainty metric is a qualitative screen reflecting the timing of the distribution need and load growth or generation project driving that need. Distribution needs closer to present day are deemed more certain and of higher priority. Another way to assess certainty is the presence of a formal interconnection request. The IOUs will use the certainty/uncertainty metric as one assessment of distribution need, to prioritize potentially deferrable projects to be included within the RFO process.
The WG agrees that this qualitative metric will also be reflected in the LNBA maps through an additional layer indicating certainty as “low”, “medium”, or “high”. 
With regards to the cost-effectiveness use case defined by the Track 1 Decision on ICA and LNBA, the Decision directs the IOUs to calculate the probability of unanticipated T&D projects up to a 30-year window and the necessity to determine grid needs and planned projects absent of the anticipated “autonomous growth” of DERs. The methodology for this use case will be included in the IOU-filed proposals due December 6. The WG engaged in discussion regarding how the uncertainty metric may be included within the LNBA methodology, but agreed that further discussion regarding its incorporation should be conducted through the ED-led workshops envisioned in the Decision on the IOU-filed methodologies. 
5.2 [bookmark: _Toc500517303]Incorporation of Growth Scenarios

The IOUs used two growth scenarios in Demo B: a planning scenario (representing the forecast used for distribution planning) and a “very high” scenario (representing full implementation of ambitious policy objectives and resulting high-DER adoption). The WG discussed whether the LNBA should use multiple growth scenarios or a single planning scenario. This topic additionally requires coordination with the DER Growth Scenarios developing under DRP Track 3, Sub-track 1. Currently, IOU distribution planning only uses a single forecast, and existing tools and resources only support the use of one forecast. Conducting multiple scenarios requires additional IOU resources to develop the requisite enhancements to planning tools. 
The WG agrees that, for the time being, the LNBA should remain consistent with the distribution planning process. The WG may consider appropriate refinements to the LNBA tool after the Track 3 Sub-track  1 on growth scenarios is resolved.
6. [bookmark: _Toc500517304]Group III

6.1 [bookmark: _Toc500517305]Explore asset life extension/reduction value provided by DERs

Asset life extension or reduction is identified in the Track 1 Decision as a long-term LNBA refinement which could provide possible DER benefits outside of capital investment deferral. Asset life extension or reduction refers to how DERs may impact or reduce the likelihood of equipment failure. This is separate from routine operations and maintenance tasks and distribution capacity upgrade deferrals. Distribution assets are removed from service due to 1) failure (e.g., manufacturing defects, environmental factors, specific incidents, wear and tear, and thermal degradation), 2) obsolescence (when the old design is no longer considered safe or functional for current needs), and 3) redeployment (when transformers that are not at end-of-life which are replaced during a capacity upgrader are kept in stock and redeployed). The WG identified, discussed, and agreed that DERs may impact the life of distribution assets removed from service only for a subset of failures (wear and tear, thermal degradation). Further, while the physical bases for these two modes of failure are relatively well understood, the specific DER impacts are not fully characterized today. The IOUs’ proposal, found in Appendix B, summarizes current research by the California Solar Initiative, IEEE, UC Berkeley, EPRI, and others on DERs’ impact on asset life. 

The WG agrees that asset life impacts of DERs should not be incorporated into LNBA currently, but should remain an active area of study. The WG agrees that asset life impact may be revisited at a later date if additional study results present reason for further discussion. 	Comment by Laura Wang: I’ve noted general consensus based on meeting notes and filed comments, but please let me know your position if you do not agree 

6.2 [bookmark: _Toc500517306]Conservation voltage reduction (CVR)

The LNBA WG discussed a stakeholder proposal jointly submitted by SEIA and Tesla to create a locational value for CVR benefits that can be realized through utilities’ existing CVR schemes when DERs are available at the low-voltage customers on a distribution circuit, typically at the end of a circuit. This proposal states that distributed PV combined with smart inverters provide CVR benefits, primarily at the secondary level, that should be included as a value within LNBA. 
Existing utility CVR programs address voltage delivery oversupply by flattening distribution voltage profiles and meet Rule 2 standards.  CVR programs typically save 0.5-4% of energy consumption on individual circuits, and are often implemented on a large portion of a utility’s distribution grid. Distributed PV and smart inverters can enable greater savings from utility CVR programs because those programs typically only control utility-owned distribution voltage regulating equipment. Because distributed PV with smart inverters can increase or decrease the voltage at any individual customer location, these resources can be used to more granularly control customer voltages.
Tesla and SEIA propose to calculate the CVR benefit as a locational value for solar and smart inverter deployment on areas of distribution circuits with the lowest voltage. This value could be represented in the LNBA/ICA maps of the utilities’ distribution grids. In their full written proposal, Tesla and SEIA provide formulas to compute the percentage voltage reduction made possible on a particular circuit by raising the voltage of the lowest-voltage secondary lines. This voltage reduction could then be converted to MWh of energy and MW of capacity – full details of this methodology are included in the written proposal (see Appendix B).   If utilities do not have sufficient information on all of their secondary lines to develop a locationally-specific CVR value, SEIA and Tesla propose an alternative method where averaged CVR value (based on average contribution of solar PV and smart inverters to existing utility CVR programs) is integrated into the LNBA and included in instances where CVR is one of the benefits provided by DERs – for example, in the evaluation of a voltage management tariff developed in the Integrated Distributed Energy Resources proceeding.
The LNBA WG is in non-consensus with regards to the proposed SEIA/Tesla methodology, with the Joint IOUs and TURN both submitting comments. The IOUs state that it is inappropriate to use a system-wide value for CVR when the benefit is contingent upon smart inverter deployment in specific locations and quantities. The IOUs currently do not have the needed control capabilities to manage voltage-regulating equipment such that CVR could be enabled using distributed smart inverters. Finally, the IOUs state that the proposal improperly suggests calculating CVR benefits that are based on customer bill savings rather than utility avoided cost and refers to a value for smart inverters providing CVR that is mostly attributable to a voltage optimization scheme rather than to the smart inverters themselves. None of the IOUs has comprehensively implemented this voltage optimization scheme which is both necessary to enable smart inverters’ ability to provide CVR and also which is responsible for the vast majority of energy savings from CVR. 
TURN asserts any avoided cost or benefit included in the tool must be captured by all ratepayers and the inclusion of CVR within the LNBA tool does not meet this principle. They reason these benefits are based on active utility involvement that is not currently performed – currently, these benefits are only theoretical. TURN asks developers to continue working with utilities to implement and test CVR programs to demonstrate an actual avoided cost value. 	
6.3 [bookmark: _Toc500517307]Situational awareness

The concept of a DER distribution service related to data for grid visibility and situational awareness emerged during the IDER CSF WG discussions; however, no consensus on the definition or viability of this service was reached. The June 7 ACR states that “value of data-as-service for situational intelligence is likely hard to quantify on avoided or marginal cost basis, and is driven to some degree by Commission policy on the use of DER data for grid operations and/or planning.” 
The WG is in non-consensus with regards to whether a value for situational awareness is appropriate for the LNBA, how it may be calculated, and what are appropriate next steps. In WG discussions, two proposals for defining the benefit and quantifying the value of situational awareness were discussed, one by the Joint IOUs and one by SEIA. These discussions helped expand understanding of this DER service, primarily through exploration of what grid data may be provided by DERs, how these data could assist IOUs, and whether this can or should be quantified within the LNBA tool. 
The joint IOUs proposed to define situational awareness as the provision to the utility distribution company (UDC) of grid information which is collected using DERs and which meets the following conditions: 1) the information meets a specified grid need for which the IOUs are planning an investment, 2) the information meets the data requirements as specified by the IOU (e.g. for data type, detail, frequency, location, voltage level, security, completeness, etc.), and 3) the information is not already required to be provided by the DER (e.g. as a requirement to interconnect). The value of this service would be equal to the avoided revenue requirement of deferring the otherwise-needed capital investment calculated using the Real Economic Carrying Charge (RECC) method, or equal to the avoided RRQ associated with an expense that would otherwise be incurred to meet the same need.

The SEIA proposal further discusses the type of grid information that DERs can provide. This includes voltage, frequency, outage information and loading information. This information can be used to 1) calculate gross load and better understand load profiles; 2) ID faults for faster service restoration; 3) provide data at a greater frequency than through existing communications infrastructure; and 4) provide nodal level data on power quality conditions. SEIA proposes the value of this service as the avoided cost of other equipment needed to provide the utilities with situational awareness that would otherwise need to be deployed in the absence of DER equipment providing these services, including: avoided cost of additional bandwidth needed on wireless communication networks to backhaul data; avoided cost of additional metering for on-site generation to calculate gross load; reduced truck rolls from improved fault location; and avoided cost of line sensors. These investment costs can be estimated from utilities’ GRCs and Advanced Metering Infrastructure (AMI) Applications. 

The Joint IOUs argue that the services identified by SEIA are insufficient in addressing IOUs’ situational awareness needs, and do not result in a clear avoided cost that may be included in the LNBA. With regards to calculating gross loads, the IOUs note that DERs do not provide load information, only output information. Further, DER generation data could only be obtained from a subset of DERs with sufficiently reliable communication. With regards to fault identification, the IOUs note that DERs can only provide data that is obtained by the IOUs today via AMI data, and that the DER cannot actually locate the faulted circuit segment, particularly for outages spanning multiple circuits – thus, DERs cannot provide the necessary precise fault information currently provided by line sensors, SCADA data, and fault indicators. With regards to power quality, the IOUs note that DERs cannot provide voltage information on the primary distribution system, while utility AMI systems can. Further, reporting frequency from AMI systems can be increased if necessary and justified (currently they report once a day). Finally, the IOUs note that while real-time generation output information is useful, real-time outage or power quality information provided by DERs is not useful and thus should not be valued as a benefit of DERs within the LNBA.

Within written comments, WG members engaged in discussion on avoided costs from data collection, additional hidden costs of DERs providing grid data, minimum interconnection requirements for smart inverter-based DERs, and whether DERs should instead market data services on a competitive basis to the IOUs rather than being assessed as a value within LNBA. 

In determining next steps, it would be helpful for the Commission to further explore what additional information is needed to verify claims with regards to whether DER can sufficiently provide situational awareness services. 

6.4 [bookmark: _Toc500517308] Non-capacity related reliability benefits

DERs may provide value in providing increased reliability via outage frequency reduction. In Demo B, non-capacity related reliability projects were identified as either deferrable or non-deferrable. In Demo B, deferrable projects were identified as back-tie and microgrid projects, while non-deferrable projects were identified as fault-related projects and standards violation projects. The WG discussed whether additional projects outside of projects providing back-tie capacity and microgrids services produce reliability benefits that should be captured within the LNBA tool.
The WG is in consensus with regards to the characterization of non-capacity reliability projects to include: 1) detecting faults on the grid (e.g., circuit breakers, automatic reclosers), 2) locating faults on the grid (e.g., sensing equipment); 3) sectionalizing circuits to minimize the impacts of faults (e.g., switches); and 4) fixing standards violations (e.g., reconfigure underground structure or distribution pole).
 The WG is in non-consensus with regards to defining the additional reliability benefits that should be valued within LNBA and how to appropriately account for their value. Among these project types, the WG agrees that DERs cannot address standard violations. However, the WG is in non-consensus over whether DERs can provide the same reliability improvements that traditional utility investments could provide, and how they should be appropriately valued.
The IOUs’ proposal identifies how DERs may provide some of these grid services but cannot fully replace or defer the need for these investments. While circuit breakers and automatic reclosers both detect faults and de-energize equipment for public safety, DERs cannot de-energize circuits and therefore cannot replace traditional breakers and reclosers. Switches on a circuit can isolate and de-energize a portion of a circuit, and transfer customers from one circuit to a neighboring circuit, while DERs cannot. Further, DERs cannot defer or replace fault indicators as they do not provide specific locational information to identify where the issue lies on the circuit segment. Finally, for utilities to truly avoid the need for reliability-driven grid modernization investments, customers would need to each install their own backup generation, which is less cost-effective than utility-driven investment – and in this situation, utilities would still need to invest in equipment to identify faults and restore service, to support customers coming off backup generation. 
The SEIA proposal argues that only considering back-tie projects and microgrid services provides a narrow valuation of DERs, and does not account for their ability to reduce customer outages. DERs should not be compared to traditional equipment on a one-on-one basis (e.g., comparing a solar plus storage system against a fault indicator or switch) given their different functionality. However, it is reasonable to consider the ability of these resources to offset costs that might otherwise be addressed through utility grid modernization investments for improved reliability. SEIA proposes two possible methods to quantify this value. The first is to consider the value of lost load to the utility customers who would otherwise be subject to power outages. The second is to consider utility investments in infrastructure that have been approved or proposed in GRCs for the purpose of improving reliability and resiliency. SEIA reasons that it is likely more appropriate to use the latter method and pull data from GRCs to determine a standard cost to reduce service disruption or restoration of service. This value could be made location-specific by accounting for location-specific measures of reliability.  
6.5 [bookmark: _Toc500517309]Valuing unplanned grid needs beyond 10 years

The WG discussed how unplanned grid needs may be defined, both within a 10-year planning horizon and beyond 10 years. Valuing unplanned grid needs and providing a long-term value for DERs was discussed both in the context of modifying the existing LNBA tool as well as in the context of the IOU methodology to serve the cost-effectiveness use case. The WG defers all conversation with regards to the cost-effectiveness use case to the separate process to be established by the CPUC Energy Division. However, some discussion points to date are noted in the written proposals, written comments, and meeting notes from this WG process. 
With regards to unplanned grid needs within the planning horizon that can be captured within the existing LNBA tool, the WG is in non-consensus on how unplanned needs should be defined. 
The Joint IOUs propose that unplanned needs exist primarily as large, spot capacity needs (e.g., a large casino development), many existing at the grid edge with limited existing infrastructure. These needs, due to their timing and size, are not considered deferrable by DERs. In contrast, the vast majority of projects are included within the growth forecasts. To limit the possibility of unplanned grid investments, the IOUs propose to continue refining the forecasting process and potentially shorten the presumed window of DER implementation through the Demo C process. Going forward, the IOUs propose to track the number and amount spent on unplanned capacity investments to better understand the dollar value associated with unplanned grid investments. However, the IOUs do not think it is appropriate to assess the value of DERs at any one location for deferring unplanned grid investments, as the risk of overpaying for DER services outweighs the small number of unplanned grid investments that will likely arise. 
Non-IOU stakeholders have raised concerns that this this definition of unplanned needs for the deferral use case, while it may apply to large spot capacity projects, may not apply to voltage-related projects. The WG discussed that, under existing planning and DER sourcing approaches, it is difficult to identify voltage projects that fit a specific targeted deferral. Voltage-only upgrades are fairly inexpensive compared to capacity projects, so utilities use a blanket budget rather than an identified line item budget to account for voltage upgrade needs on a system wide basis. 
Further, planned projects which are not clearly identified in time to enter the solicitation process can still benefit from incremental DER adoption, which can delay the urgency of a project and create additional flexibility for the IOUs with regards to engineering and construction resources. Non-IOU stakeholders note that this benefit should be clearly reflected in the IOUs’ methodology proposals to meet the cost-effectiveness use case. 
With regards to unplanned grid needs outside of the 10-year planning horizon, the WG is in non-consensus on how this should be valued. The WG sees that issue is more germane to the cost-effectiveness use case than the deferral use case, and defers discussion with regards to the cost-effectiveness use case to the separate Energy Division-led process on the third LNBA use case. 
7. [bookmark: _Toc500517310]Topics not covered

The July 7 ACR identified four Group III topics as: “value proposition is speculative and potentially low; Working Group should only address these issues if time permits.” The WG did not address the following two topics: 1) benefits of DERs reducing the frequency/scope of maintenance projects; and 2) benefits of DER penetration allowing for downsized replacement equipment. 
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