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Joint IOUs’ Response to SEIA Proposal 
LNBA Working Group

Summary of Response
[bookmark: _GoBack]SEIA argues that many distributed energy resources (DERs) include monitoring equipment and communications-enabled smart inverters, and that third-party DER providers can deliver DER data to utilities so that they can (1) calculate gross load, (2) identify and respond to faults more quickly, and (3) be aware of power quality conditions on the primary distribution system.  SEIA also argues that this data would be provided at a greater frequency than what may be available through utility communications infrastructure.
While improved access to DER generation output data will help to improve grid operator situational awareness, it is insufficient for addressing the utilities’ situational awareness needs, as described further below. 
1. Gross Load – To calculate gross load, utilities require both generation output and net load information.  DERs provide generation output information, but they do not provide load information.  Even with real-time DER generation output information, other infrastructure—which SEIA proposes could be avoided—would still be needed in order to obtain real-time load information.  Furthermore, DER generation data could only be obtained from a subset of DERs that have smart inverters and sufficiently reliable communication, and it is unclear whether this incomplete data would be an improvement on methods the IOUs currently have to estimate gross DER generation. 
2. Fault Identification – The IOUs disagree with SEIA’s claim that DERs can improve identification of fault locations for faster restoration because (1) DERs can only provide data that the IOUs already obtain today via advanced metering infrastructure (AMI) to assist with signaling that a fault exists in an area and (2) it is impossible for DER data (or any device at the customer level, including smart meters and AMI) to actually locate the faulted circuit segment.  Although DERs may be capable of identifying when a customer is experiencing a service outage (typically internal to a customer’s electrical system), the utilities’ AMI systems already provide this information today.  While this AMI outage information is already used to signal a fault today, it is insufficient for locating faults, especially for outages spanning multiple circuit segments.  Line sensors, SCADA data and fault indicators on the primary distribution system provide the additional information (e.g. magnitude, direction and distance) needed for more precise fault location calculation, information that DERs and AMI cannot provide.  Fault indicators placed directly on the primary distribution line provide the fault direction and more precise fault location necessary for faster fault identification. 
3. Power Quality – DERs can provide voltage at their respective locations, typically within a customer’s electrical system, but not on the primary distribution system.  This information could potentially be used as a means to determine secondary distribution system voltage conditions. However, DERs cannot provide voltage information on the primary distribution system since they are not directly connected to the primary system.  The utilities’ AMI systems can provide voltage at these secondary distribution system locations today.  Although the AMI systems generally only provide this information once per day, the reporting frequency can be increased when and where necessary, and the IOUs are exploring expansion of voltage reporting frequency and granularity, where justified.[footnoteRef:3] [3:  For example, PG&E demonstrated that current AMI infrastructure can support real-time voltage reads where needed through its volt-VAR optimization (VVO) pilot.] 

4. Reporting Frequency – Although DERs may be capable of providing customer outage and voltage information more frequently than currently provided by the utilities’ AMI systems, this is not necessary.  While the utilities would like to receive generation output information in real-time, the utilities would not benefit from DERs providing real-time outage or power quality information. 
SEIA proposes that the value of this DER data is equivalent to the avoided cost of (1) additional wireless communications bandwidth for backhauling the data, (2) additional metering of onsite generation, (3) reduced truck rolls, and (4) line sensors.  The DER data described in SEIA’s proposal would result in no avoided cost to the utilities.  As such, SEIA’s proposed method of calculating the value of DER data is misguided and should be disregarded. 
Situational Awareness
In defining the term “situational awareness,” SEIA quotes the Department of Energy’s definition of the modern distribution system platform (DSPx), which, in part, states:
The analog-to-digital transformation of the distribution grid requires a much improved awareness of the current grid configuration, asset information and condition, power flows, and events to operate the distribution grid reliably, safely, and efficiently.  This may include visibility of all steady-state grid conditions such as criteria violations, equipment failures, customer outages, and cybersecurity. DER situational awareness is also required to operate a grid with higher DER and optimize DER services to achieve maximum public benefit.[footnoteRef:4]  [4:  SEIA presentation “Locational Net Benefit Analysis: Situational Awareness,” Distribution Resources Planning Working Group, September 19, 2017, page 58] 

The utilities agree with this definition. In fact, improved grid operator visibility of “power flows and events” are two core capabilities the utilities are seeking to develop through grid modernization.
Gross Load
As the amount of installed DER capacity continues to increase, the principal “situational awareness” challenge faced by utilities is “masked load.”  Masked load refers to the load on a circuit that, because it is served by customer-sited generation, the grid operator cannot see.  Real-time load data for each circuit is available to the operator at the substation.  On circuits without DERs, this load data is sufficient for operators to estimate load levels along the circuit.  On circuits with DERs, however, load is partially offset by the DER generation, and the operators only see the net load (gross load minus the DER generation).  
From the operator’s perspective, some load is masked by DER generation such that the operator is unaware that it exists.  This limits the grid operators’ situational awareness and results in them having to use conservative assumptions when making switching decisions to avoid configuring the system so that, if the DER output is reduced for any reason, the now “un-masked” load causes the circuit to be overloaded.  Since grid operators are unaware of the gross load on the circuit—for both the circuit as a whole as well as individual circuit segments—they need to exercise greater caution when transferring load to an adjacent circuit.  This is necessary to prevent overloading the adjacent circuit by serving customer load in excess of capacity limits and thereby extending the impact of outages. 
Resolving the masked load issue requires that grid operators know the real-time gross load for each discrete circuit segment.  Gross load equals net load plus DER generation.  To calculate the real-time gross load for each circuit segment, grid operators need both net load and DER generation in real-time.
SEIA proposes that the utilities use DER data in lieu of using utility grid equipment (such as remote fault indicators and smart switches) to calculate gross load.  SEIA claims that by providing DER information to utilities’ distributed energy resources management systems (DERMS), that utilities can “calculate gross load and more generally understand loading profiles.”[footnoteRef:5]  SEIA also states that “DERs can also provide loading information at each site.”[footnoteRef:6]   [5:  “Item 13: Data/Situational Awareness SEIA Initial Proposal,” page 1.]  [6:  “Item 13: Data/Situational Awareness SEIA Initial Proposal,” page 2.] 

The utilities agree that data on DER generation is essential to helping resolve the masked load challenge.  However, this data will not resolve the masked load challenge by itself.  Although many DERs have monitoring equipment, this equipment only monitors DER generation output, not load.[footnoteRef:7]  To monitor load, the DERs would require an additional monitor located at the customer meter.  But the DERs simply do not have this instrumentation.  Moreover, even if the utilities obtained the DER generation data in real-time, they would only be capable of aggregating the DER generation data to derive the gross load of the entire circuit.  This DER data alone would not, however, allow utilities to calculate gross load by circuit segment. [7:  On page 5 of “Item 13: Data/Situational Awareness SEIA Initial Proposal,” SEIA suggests that the utilities may be misinterpreting Rule 21.  The utilities are not opposed to using other options that are “less intrusive and/or more cost effective” for obtaining generation output data for larger DERs. However, DERs are currently only capable of providing DER generation information, not site load information.] 

Determining gross load by circuit segment requires line sensors to provide real-time data on those specific circuit segments. Circuit segments are sections of a circuit divided by circuit ties, which allow load from one circuit segment to be transferred to an adjacent circuit.  When utilities transfer load from individual circuit segments they need to know the magnitude of the gross load they are transferring—otherwise they risk overloading the adjacent circuit.  Therefore, although the utilities appreciate the value of obtaining DER generation data, whether from large DERs directly or through DER provider networks, this data needs to be combined with additional telemetry to accurately measure real-time gross load.
Fault Identification
SEIA also suggests that DERs are capable of identifying faults and helping to restore service more quickly.  The implication from SEIA again is that this DER capability obviates the need for utility assets that perform the same function.  SEIA suggests that using DERs for these functions would “identify faults for faster service restoration”[footnoteRef:8] and reduce “truck rolls from better fault location” information, and result in “avoided cost of line sensors.”[footnoteRef:9]  There are a number of issues with SEIA’s portrayal of this DER benefit.  [8:  “Item 13: Data/Situational Awareness SEIA Initial Proposal,” page 1.]  [9:  SEIA slide deck “Locational Net Benefit Analysis: Situational Awareness,” Distribution Resources Planning Working Group, September 19, 2017, page 63.] 

1. Fault Location Identification – DERs are undoubtedly capable of signaling when there is a power outage (by detecting loss of voltage).  However, identifying a customer experiencing a power outage is not equivalent to identifying a fault location.  Whereas DERs may be able to help determine the number of customers experiencing an outage due to fault—which the utilities’ AMI systems already do today—remote fault indicators installed on the primary distribution system are capable of detecting the specific line segment experiencing the fault.  Line sensors need to be located on the primary distribution system[footnoteRef:10] in order to help locate where the fault actually occurred on the system.  Behind the meter information is unable to provide this same capability since they cannot monitor real-time information on the primary distribution system and provide the location of a fault.  [10:  Primary distribution system refers to equipment that operates above 600V. This is the portion of the distribution system that operates in in the range of thousands of volts and transfers power from the distribution substation to the service transformer. The service transformer then steps down the voltage from the thousands of volts to hundreds of volts (secondary system) to be used by customers. DERs are typically installed at customer locations connected to the secondary which is unable to provide any data on the primary distribution system.] 

2. Instrument Location and Density – Increasing the efficiency of locating a specific fault location involves installing line sensors at key points within each circuit segment such that there is adequate coverage of all load served by the circuit.  These sensors are typically installed on primary distribution conductors.  DERs are unable to provide this service as they do not monitor real-time load flow on primary distribution equipment. 
3. Instant Notification – Remote fault indicators automatically send a signal to the grid operator notifying them of the faulted circuit segment within seconds of the event.  This prompts the grid operator to utilize automated switching, where available, and then dispatch a field worker to investigate.  In addition to being unable to identify the circuit segment on which the fault occurred, any latency in communication between the DER provider network and the grid control center means that relying on DER data for outage notification could take longer than the utilities’ existing AMI systems and remote fault indicators, increasing customer outage times.
4. Fault Interruption – When smart switching devices (such as remote intelligence switches), detect an outage, they can execute switching schemes automatically and in some instances avoid the outage altogether for a subset of customers by using fault interrupting equipment.   DERs, however, do not have this added feature.
Power Quality
SEIA states that one of the benefits of utilities’ using DER data is that it can “provide nodal level data on power quality conditions.”[footnoteRef:11]  SEIA is referring solely to voltage—not the many other measures associated with power quality, such as total harmonic distortion.  DERs can provide voltage data at their respective locations on the secondary distribution system, but not at the primary distribution system (the nodal level).  Moreover, the same voltage information provided by behind the meter DERs can be provided today by the utilities’ AMI systems.  Although the AMI systems generally only provide this information once per day, the reporting frequency can be increased when and where necessary.  It is unclear what incremental value would be provided by having this DER information. [11:  “Item 13: Data/Situational Awareness SEIA Initial Proposal,” page 1.] 

Reporting Frequency
Finally, SEIA argues that DERs could “provide data at greater frequency than may be available through utility communications infrastructure.”[footnoteRef:12] Although DERs may be capable of providing outage and voltage information more frequently than the utilities’ AMI systems, this is unnecessary.  First, the outage information would be duplicative with the information provided by the utilities’ AMI systems.  Moreover, this information would be insufficient for identifying a fault location, as discussed above. Remote fault indicators, on the other hand, provide more precise fault location information.  Therefore, any increase in reporting frequency of outage and voltage information would provide no incremental benefit beyond what is providing by existing utility infrastructure, and it would be inferior to the information provided by remote fault indicators.  [12:  “Item 13: Data/Situational Awareness SEIA Initial Proposal”, page 1.] 

The utilities welcome opportunities to leverage DER capabilities to improve grid operator situational awareness.  DERs can provide information that will support grid flexibility and improve grid operator visibility of power flows.  However, while DER data is helpful, it alone cannot resolve the growing situational awareness challenges the utilities face.  This data must be paired with other information obtained directly from the distribution system.  Both are essential to meeting the utilities’ situational awareness needs for operating the grid safely and reliably.

